Expanding the use ofC02-enhanced oil recovery (EOR) • .
INTRODUCTION '
As the policy issues of energy security and climate change have taken center stage in recent years, the technique of COj-enhanced oil recovery (COj-EOR) has received increasing attention from industry and government.' One reason is that the technique promises significant increases in oil recovery from existing, mature oil fields. Typically, the primary phase of oil extraction from a new
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field, which utilizes the reservoir's natural pressure to bring oil to the surface, extracts about 5-20% of the estimated original oil in place. The secondary phase, which usually involves injection of water into the reservoir to augment or maintain its pressure, extracts another 10-20%. After the primary and secondary phases of extraction, about two thirds of the original oil is left "stranded." According to a recent Department of Energy study (DOE, 2008) , the tertiary method of CO2-EOR is technically able to recover about a third of this stranded oil, or an additional 20% of the original oil in place. For all U.S. reservoirs combined, this amounts to 87.1 billion barrels, of which the study estimates that (at an oil price of $70 per barrel and a CO2 price of $45 per metric ton) 45 billion barrels are economically recoverable.Ĉ Oj-EOR recovers this additional oil by injecting slugs of CO2 at high pressure into the reservoir, usually altemated with slugs of water. The injected CO2 mixes with the reservoir oil, thereby reducing capillary forces that trap the oil in pores of the rock and allowing oil that would otherwise remain stranded to flow towards production wells.-^ Most of the CO2 resurfaces with the recovered oil and is separated, recompressed, and reinjected. In every pass through the reservoir, however, a fraction of the CO2 remains sequestered underground. In order to maintain a given CO2 injection rate, operators of CO2-EOR projects'* therefore need reliable sources of CO2 over extended periods of time-it is common for an EOR project to take 20 years or longer. As a result, EOR creates a derived demand for relatively pure CO2 gas.
This steady demand for, and ultimately sequestration of, CO2 provides the second reason for the recent interest in EOR. Realistically, the total amount of CO2 that EOR projects might be able to sequester is limited: Dahowski et al. (2005) estimate the sequestration capacity of depleted U.S. oil reservoirs (including those depleted through EOR) at 10 GtC02, which amounts to just over two years' worth of current U.S. CO2 emissions (EPA, 2008) . Nevertheless, EOR may "jump-start" the building of pipelines and other infrastructure required for ultimately much larger-scale sequestration in unmineable coal seams and saline aquifers.
If indeed EOR is to play a major role in expanding U.S. oil output as well as providing a bridge to large-scale geological sequestration of CO,, an important input into planning for the required infrastructure are estimates of how both the supply of incremental oil and the derived COj demand from EOR are likely to vary with the prices of oil and CO2. To our knowledge, very few such estimates are currently available. Holtz et al.'s (2001) study of EOR potential in Texas, for example, uses only physical screening criteria to identify reservoirs suitable for EOR, and then applies rule-of-thumb multipliers to estimate the incremental oil that can be recovered and the CO2 that can be sequestered in these reservoirs, without any reference to economics. Similar methods also are used to estimate EOR's sequestration potential (without accompanying oil recovery estimates) in the DOE's Carbon Sequestration Atlas of the United States and Canada (DOE, 2007) . The above-cited study by Dahowski et al. (2005) does estimate a cost curve for CO2 sequestration in 220 oil plays' in the U.S., but does so for just three oil prices, namely $15, $23, and $38/bo. It is also again based on ruleof-thumb multipliers, adjusted only for API gravity"* and average depth of each play. Finally, the above-cited DOE (2008) study uses physical screening criteria to identify 1,111 large oil reservoirs amenable to EOR, and then uses reservoirsimulation software to predict oil and CO2 flows for each reservoir. In principle, this approach could be used to generate full oil supply and CO2 demand curves, but the study in fact examines only four price scenarios.Î n this paper, we introduce a procedure for estimating incremental oil supply and CO2 demand curves that is based on the so-called "analog" method of predicting oil and CO2 flows for a given reservoir. The method is more sophisticated than simple rule-of-thumb multipliers, while avoiding a key drawback of using reservoir-simulation software. This drawback is that reservoir simulations require reservoir-specific "relative permeability curves" as inputs, to predict the rates at which different fluids (oil, water, CO^) will move through a given reservoir's rock as their concentration levels in the reservoir change over time. Data required to determine these curves are rarely available.
The analog method, explained in detail in the appendix to this paper, is not new to reservoir engineers. Jarrell et al. (2002) discuss it, for example, in their monograph on CO2 flooding published by the Society of Petroleum Engi-5. An oil play is a grouping of geologically similar reservoirs in a given oil-producing region. 6. A standard measure of oil density introduced by the American Petroleum Institute. 7. A now dated study by the National Petroleum Council (NPC, 1984) used very similar procedures. The main difference lies in the software used to predict CO, and oil fiows: whereas the NPC study used the CO2PM package developed by Scientific Software-Intercomp. the DOE study uses the more versatile CO2Prophet package later developed by tlie Texaco Exploration and Production Technology Department. (Both packages are available from the DOH's National Energy Technology Laboratory website, http://www.netl.doe.gov.)
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neers. The method also underiies a spreadsheet model made available by Kinder Morgan, Inc., which allows oil-field operators to estimate the likely profitability of applying EOR to a given reservoir.* The method is not widely known by energy economists, however. Nor has it, to our knowledge, ever been used to estimate incremental oil supply curves and derived CO2 demand curves for all reservoirs in an entire region or basin, as we do in this paper. In essence, the analog method scales the historical production and injection flows observed at some existing, mature EOR project (the analog) to predict those of a new, proposed EOR project. The validity of doing so relies on a central assumption of the method, namely that all the various dimensions across which reservoirs may differ-lithology, area, thickness, porosity, permeability, etc.-are relevant to incremental oil and CO2 production only insofar as they affect two key scaling factors: (i) per-pattern hydrocarbon pore volume and (ii) injectivity. The term pattern refers to a (typically square) sub-area of a reservoir centered on a single injection well and bordered by production wells;' hydrocarbon pore volume (HCPV) is the space originally occupied by oil in that sub-area of the reservoir before any of the oil was produced; and injectivity is the rate at which fluids can be injected into the reservoir, expressed in units of HCPV per unit time.
Specifically, the analog method predicts that if the proposed EOR project happens to have the same per-pattern HCPV and injectivity as the EOR analog project, each of its patterns will generate roughly the same incremental oil and CO2 flows over time as the analog project did historically. More generally, the proposed project will differ from the analog project in terms of either HCPV or injectivity, in which case the predicted flows are scaled accordingly. If, for example, the proposed project has twice the per-pattern HCPV but the same injectivity, it is predicted to cumulatively produce twice as much from each pattern as the analog project did at any given time after switching to EOR; if, on the other hand, the proposed project has the same per-pattern HCPV but twice the injec-8. The model is available at www.kindennorgan.com/business/co2/tech.cfm. It requires the operator to enter engineering parameters for a proposed EOR project (e.g., the reservoir dimensions, the current rate and decline rate of oil production, the number of existing and planned injection and production wells) as well as economic parameters (e.g., the price of oil and CO, anticipated by the operator, royalty and tax rates, discount rate). The model then uses the analog method to project incremental oil and CO, flows for a single "pattern" (an injection well surrounded by production wells) of the proposed project, multiplies these flows by the number of planned patterns, and combines the result with the economic parameters to predict the project's NPV. Although the model uses a very similar approach to ours, its implementation as a spreadsheet limits its application to a single project at a time. The model is also cruder than ours in several respects. For example, it terminates the project at an exogenously determined time, rather than optimally as in our model. 9. Common patterns are the "five spot," which has four production wells at the comers of the square, and the "nine-spot," which has four additional production wells at the square sides. These patterns are typically repeated more or less regularly to cover the entire reservoir area, whereby neighboring injection wells share the production wells on their common pattern borders. tivity, it is predicted to cumulatively produce as much as the analog project did, but in half thé time; etc.
Note that if the method's central assumption held exactly, all EOR projects would literally trace out the same normalized production and injection paths. A single analog project would therefore suffice to predict EOR flows at any and all proposed projects, regardless of any differences between project reservoirs besides per-pattem HCPV and injectivity. In practice, of course, the assumption holds only approximately. For example, even if two project reservoirs have similarly high injectivity levels, injectivity for project A may be uniformly high throughout its reservoir, whereas that for project B may be concentrated in highly permeable streaks or zones. If so, then in project A, injected COj is likely to push oil uniformly towards production wells, whereas in project B, CO2 may flow preferentially through the permeable zones, bypassing oil elsewhere in the reservoir. As a result, incremental oil recovery from project B is likely to be lower, and would be overpredicted by a model using project/4 as an analog.'" For reasons such as these, the analog method is considered more reliable the more closely the reservoir characteristics of a proposed project match those of the analog used. ' ' By way of illustration, we apply our procedure to the Wyoming portion of the Powder River Basin (PRB). This basin, which covers the northeast comer of the state, is a major oil-producing region in the US, with currently about 500 actively producing fields or (since many fields produce from several reservoirs) over 700 actively producing field-reservoir combinations (FRCs). To date, 1.9 billion barrels of oil have been extracted from these fields, almost all through primary and secondary recovery. Enhanced oil recovery is just getting underway in the PRB. On the western edge of the basin, in the Salt Creek Field, one operator has been applying EOR since 2004. Several other oil-field operators have plans to begin EOR projects in the near future.
Not all FRCs are suitable for EOR, however. For a given FRC, the size and geological properties of the reservoir are factors that decide the profitability of EOR, along of course with expected revenues from incremental oil production and costs related to CO2 injection and recycling. As oil prices increase or CO2 prices decline, more FRCs become profitable for EOR, giving rise to the incremental oil supply and derived CO2 demand schedules that we map out for the basin.
10. Similarly, even if two project reservoirs have the same original HCPV, they may experience different degrees of compaction over time as fluids are removed during the various recovery phases. This too might differentially impact EOR performance, although the effect would likely be small.
11. Consistent with this. Kinder Morgan provides two different versions of its spreadsheet model: one uses the Denver Unit project in the San Andres formation of West Texas as its analog, while the other uses an unspecified project in the Morrow formation of western Kansas and the Oklahoma Panhandle. Unfortunately, the Morrow project's history is quite short, which reduces its usefulness for predicting the lifetime performance of candidate EOR projects.
THE DATA AND MODEL
Extensive data were collected on all FRCs in the Wyoming portion of the Powder River Basin. These data describe the geology, oil composition, and production and injection history of identified FRCs. Our data were collected from numerous primary sources, including the Wyoming Geological Association, the Wyoming Oil and Gas Conservation Commission, and the proprietary IHS data bank. Journal descriptions of a number of FRCs were consulted to fill gaps. Considerable work continues in updating and checking these data against different source materials.
To estimate the potential CO2 demand for enhanced oil recovery in the PRB and the corresponding supply of incremental oil, we examined all FRCs that met two criteria. First, given the large up-front capital costs of EOR projects, we required the fields to be "large." The cutoff chosen was an FRC that had cumulative production of at least 5 million barrels of oil (MMbo) through the end of 2005. Smaller reservoirs were included if another reservoir in the same field met the 5-MMbo cumulative production criterion. This is because reservoirs in the same field can share capital facilities required for EOR. A total of 138 FRCs met the first criterion. The second criterion is that a complete set of data had to be available for the demand analysis. Key data were unavailable for 38 of the 138 FRCs, leaving 100 FRCs.
For each of these 100 ITiCs, we first determined whether the reservoir passed a key physical hurdle, namely the capability to be pressured to a level at which injected CO2 mixes with the oil. If this so-called minimum miscibility pressure (MMP), which depends on the reservoir's temperature and the oil's API gravity, exceeds the maximum pressure that the reservoir's caprock can withstand, then using CO2 for EOR becomes far less attractive.'^ This was found to be the case for 3 FRCs. Table 1 lists the remaining 97 FRCs, together with their original oil in place (OOIP)-the estimated total amount of oil originally present in the reservoir before any extraction took place-and their cumulative production up to mid-2(X)9. The accompanying Figure 1 shows the FRCs' locations.
12. As pointed out in footnote 3, COî-based EOR projects can be operated at pressures below MMP, but their performance drops significantly. 
An overview of the model
For each of the 97 FRCs, we estimated both the "baseline" net present value NPV''"' of continuing with secondary oil recovery using water injection.
and the net present value NPV'°' of switching to EOR,
In these expressions, p" represents the price of oil (assumed constant over the lifetime of the project), Q'^'P-'""\ projected baseline oil recovery in period t under the continued waterflood, and ß"''•'•"^ projected oil recovery in that same period were the project to switch to a CO2 flood. To arrive at net operating profits in each period, we subtract from pre-tax oil revenues any royalties at rate T" , as well as severance and property taxes at combined rate T^'' . For the EOR project, we we also subtract the projected cost of CO2 purchases, equal to the CO2 purchase price p'' (also assumed constant over the lifetime of the project) times the projected quantity purchased, ß;™, as well as the projected cost C of recycling and re-injecting CO2. This cost depends on the quantity Q'j'' of CO2 that is produced together with the oil. Lastly, we subtract other operating costs C", which depend in part on the total amount of liquids produced. F'or the baseline without EOR, liquid production ^¡P'"" is just the sum of water and oil produced; for the EOR project, Qf/'"'" is the sum of water, oil, and CO2 produced, since before recycling the CO2 is mixed in with the oil. The remaining net operating profits are discounted to the present at the internal rate of return r required by the FRC operator. The economic lifetime of the project, denoted T*"" for the continued waterfiood and V"' for the CO2 flood, is reached when operating profits turn negative. Switching to EOR in addition involves an up-front investment cost K. We assume that this entire cost is incurred immediately at time O.' "* Switching is optimal if and only if NPV""'' exceeds
Predicting the response to EOR
Implementing the above estimation of NPV requires estimates of an FRC's "response" to EOR-essentially a production function that projects time paths of incremental oil recovery and COj production. As noted, we use the analog method laid out in the appendix to generate these estimates. Two analog schedules are necessary to calculate NPV''"^. One schedule predicts incremental oil production Q"''''"', which is then added to predicted baseline production to obtain overall EOR production. The other schedule predicts CO2 production Qf, all of which is assumed to be recycled and re-injected. Carbon purchases ß;"' are calculated by subtracting predicted production from CO2 injection.
Completing the analysis
Completing the economic analysis (for a given oil price and CO2 price) requires combining the predicted production, recycling, and purchase paths with cost data. There are a number of cost categories that enter in the NPV calculation.
Investment costs are the up-front expenditures needed to get an EOR project underway; they are the variable K in the expression for NPV'"^ and are typically large. Apart from the cost of constmcting spur pipelines to connect a project with tmnk pipelines for CO2 and oil (a cost not included in our analysis), the three main cost components are those of (i) drilling new wells, (ii) reconfiguring ("working over") well equipment, and (iii) constmcting a CO2 recycling plant. Costs of drilling new wells are typically very high. This is particularly true in older fields, where many original wells may have been capped because their secondary-phase production declined to unprofitable levels. The spacing between the remaining, active wells may then be too large for an EOR project. Wellworkover costs include the costs of replacing tubing in existing wells with tubing that can resist the corrosion by carbonic acid created when CO2 mixes with water, as well as the costs of laying new pipelines in the field to pump CO2 to individual wells. Lastly, CO2 recycling plant costs must be incurred to process the CO2 that eventually comes back to the surface through producing wells.
Incremental operating costs for EOR projects also have three main components. They consist of (i) standard operating costs for incremental liquid pro-13. Realistically, converting an oil field currently under secondary recovery to EOR may take considerable time, and therefore the investment of K could be spread over several months, or even years. Our analysis does not account for this possibility.
14. Our analysis does not consider possibie altemative methods of EOR, such as injection of methane or nitrogen. In principle, nothing prevents operators from trying such methods even after completing a CO2 flood. In practice, however, this is unlikely to occur, as the CO2 flood would leave little or no oil that these altemative (and generally more expensive) methods would be able to recover. duction and incremental wells, (ii) costs of purchasing CO2, and (iii) costs of recycling COi. Standard operating costs are those of labor, maintenance, and fuel required for both waterflooding and EOR operations. Some of these are roughly proportional to the amount of liquids produced, others to the number of wells operated. CO, purchasing costs cover the costs of CO, production and compression at its source, and transportation from the source to the FRC. CO2 recycling costs consist largely of the costs of energy (electricity or gas) required to fuel the recompression pumps in the recycling plant, together with some labor and maintenance costs associated with that plant.
INCREMENTAL OIL SUPPLY AND CO2 DEMAND EOR THE PRB
The results of running the model to predict both the incremental oil supply and the derived demand for CO, from EOR in the PRB are shown in 15. Mcf is the standard quantity unit used by U.S. oil field operators for gases. Because the volume of a gas depends on its temperature and pressure, the unit is defined at a reference pressure of 60 cumulative incremental oil recovery, denoted Q° and measured in millions of barrels (MMbo), for all FRCs that at these prices could profitably switch to EOR. In other words, Q" represents the difference between projected cumulative oil recovery from these FRCs were they to continue waterflooding and projected cumulative oil recovery were they to switch to CO2 flooding. Similarly, Figure 3 shows, for CO2 prices on the vertical axis and an oil price of $100 per barrel, the corresponding cumulative deliveries of CO2, denoted 0" and measured in billions of cubic feet (Bcf). Note that, because the schedules show projected cumulative volumes rather than rates, they are not supply or demand curves in the standard sense (although we shall refer to them as such for brevity). The projected time frame over which the cumulative volumes are realized varies significantly across FRCs and depends also on the oil and CO2 price, but is usually on the order of several decades.
The main message of Figures 2 and 3 is that oil supply and CO2 demand projections using the analog method are highly sensitive to the analog used. In degrees Fahrenheit and a reference temperature of 14.7 psi (1 atmosphere). The actual pressure at which pipelines deliver COj to oil fields is typically much higher, between 1250 and 2250 psi (McCoy and Rubin, 2CK)8). At these pressures and ambient temperatures, the COj is either a liquid or a supercritical fluid, where the latter has properties of both a liquid and a gas. both figures, the curve on the left is derived using the Lost Soldier-Tensleep (LST) project in Wyoming as analog, whereas the curve on the right is derived using the Denver Unit-San Andres (DSA) project in West Texas as analog. Figure 4 plots the dimensionless curves generated from the LST and DSA projects' historical EOR performance. It shows that, at the point in time when cumulatively one HCPV worth of CO2 and water had been circulated through the LST project after it switched to EOR, the project had produced cumulatively 0.059 HCPV worth of incremental oil. In contrast, the DSA project had at that same point produced 0.108 HCPV, and was therefore 1.8 times more productive.
A number of differences between the LST and DSA projects may be relevant to explaining their quite dissimilar EOR performance. One difference concerns timing. According to Brokmeyer et al. (1996) , CO2 flooding of the LST project commenced when 44.3% of OOIP had been recovered in the primary and waterflooding stages, and when the waterflooding "oil cut" (the share of oil in overall liquid production) had dropped to as little as 3%. In contrast, CO2 flooding at the DSA project commenced when according to Hsu et al. (1997) only 35.5% of OOIP had been recovered, and when according to Tanner et al. (1992) the oil cut was still 14%. However, Jarrell et al. (2002) note that reservoir simulation studies of west Texas reservoirs have shown that "the rate of incremental oil recovery to CO2 flooding is only slightly sensitive to the stage of waterflooding when CO2 flooding starts, as long as the reservoir pressure is well above the thermodynamic MMP" Both the LST and DSA projects satisfy the latter condition. More important, perhaps, is the difference in lithology of the project reservoirs: whereas the Tensleep formation is a sandstone, the San Andres formation is a carbonate. Several review studies of existing EOR projects (Holtz et al., 1999; Christensen et al., 2001; Hustad, 2004) have noted that CO2 flooding tends to yield somewhat higher incremental recovery rates in carbonate reservoirs than in sandstone ones. Hustad (2004) , for example, notes that of 115 woridwide CO2 floods in a database maintained by the Norwegian consulting firm SINTEF Petroleum Research, average incremental oil recoveries for sandstone and carbonate reservoirs are 12% and 17% of OOIP, respectively.
A third difference concems the degree of fracturing of the two reservoirs, which is much higher for the Tensleep. Injected CO2 is more likely to flow to production wells through such fractures, bypassing much of the oil and hence reducing incremental oil recovery. This may explain why the LST project's ultimate recovery appears to below the sandstone average (its dimensionless curve in Figure 4 asymptotes to roughly 9%).
Lastly, the injection history of the two projects has been quite different as well. Whereas the LST project has consistently maintained a 1:1 ratio of water to CO2 (commonly referred to as the "water-altemating-gas" or WAG ratio), the DSA project started out injecting pure CO,, and thereafter gradually increased the WAG ratio.
Whatever the full explanation for the differential EOR performance of the two analog projects may be, it is evident that the choice of analog significantly affects estimates of how much incremental oil the examined candidate projects in the PRB will produce, how much CO2 they will demand, and thereby how profitable they are likely to be. At the individual project level, this is illustrated in Figure 2 by the rightward jump in both oil supply curves when CO, flooding of the large Finn-Shurley Turner field becomes profitable. If the LST analog is used, this is estimated to require an oil price of at least $113, and the field is then estimated to cumulatively produce 20.8 million incremental barrels of oil over its economic lifetime. But if the DSA analog is used, the same field is estimated to become profitable when the oil price is only $93, and to cumulatively produce as much as 56.5 million barrels. At the aggregate level. Figure 2 shows that at our reference oil price of $100 and CO2 price of $3, estimated incremental oil supply for the basin as a whole is more than three times as high if the DSA analog is used than if the LST analog is used (although the ratio is smaller at both lower and higher oil prices). Figure 3 shows that estimated CO2 demand is higher with the DSA analog as well.
As noted in the previous section, the analog method is considered more reliable the more closely the reservoir characteristics of a proposed project match those of the analog used. Since all fields in our study produce from sandstone
The Economics of Enhanced Oil Recovery I Al rather than carbonate reservoirs'^ and a handful in fact produce from reservoirs that are part of the Tensleep formation, our estimates based on the LST analog are perhaps more likely to be predictive. That said, many (about a third) of the fields in our study produce from the Minnelusa formation, a carbonate-rich sandstone that tends to be much less fractured than the Tensleep. For these fields, the LST analog may well turn out to underpredict EOR performance.'Â s for the maturity of the fields in our study (insofar as this matters for EOR performance, despite Jarrell et al's assertion to the contrary), the median current recovery factor for the FRCs in our study is 30% of OOIP, which is closer to that of the DSA project when it switched to EOR, but the median oil cut is 7%, which is closer to the initial oil cut of the LST project.
More generally, the considerable heterogeneity of reservoirs in the PRB implies that the "true" aggregate curves are likely to differ from both of the curves plotted. Nevertheless, subject to these caveats and inevitable data constraints,'* the results presented here provide at least a rough, order-of-magnitude estimate of EOR market conditions, illustrating the potential usefulness of the analog method.
To put the incremental oil supply estimates in perspective, cumulative oil production to date from all 97 FRCs in our study combined is 978 MMbo, or about 25% of their combined OOIP of 3.9 Bbo. Current combined oil production is 5.9 MMbo/yr, but is declining: at our baseline oil price of $100, we estimate cumulative future production under continued waterflooding to be just 63 MMbo. Figure 2 shows that at our baseline COj price of $3/Mcf and using the LST analog, estimated cumulative future production from EOR is 74.5 MMbo higher, or 137.5 MMbo in total.
In Figure 1 , FRCs that can profitably switch to EOR at these reference prices are plotted as circles, with the circle areas proportional to each FRCs projected incremental oil supply. Note that similar maps showing each FRCs CO2 demand under various price scenarios could be used, for example, to plan the trajectory of CO2 pipelines.
SENSITIVITY ANALYSIS
In practice, many of the geological and engineering parameters used in the analog method (as listed in Table 3 of the appendix) are measured quite imprecisely. For example, measures such as reservoir depth, thickness, and permeability are typically only available as averages for a given FRC, ignoring pos-16. Some fields in the PRB do produce from carbonate reservoirs, but none of these met the cumulative production hurdle for being part of our study.
17. Personal communication with J. Michael Boyles, a geologist previously with the Enhanced Oil Recovery Institute at the University of Wyoming.
18. Better data will not be forthcoming until individual operators actively contemplate switching to EOR, at which point they will want to invest in detailed geological studies and modeling exercises for their specific FRC. sibly significant heterogeneity in these measures across different sections of the reservoir. The key scaling parameter of injectivity is usually estimated from historical per-well water injection rates, even though these rates may be highly variable both across wells and over time. As for HCPV, the other key scaling parameter, this is sometimes based on published estimates of an FRC's original oil in place; sometimes on a volumetric calculation combining estimates of the reservoir's area, thickness, porosity, and residual oil saturation; and in rare cases on simple extrapolation from cumulative extraction to date. All three methods have drawbacks, and the resulting estimate should not be taken as more than a rough guess. Fortunately, for most of these parameters there is no reason to suspect a systematic bias in one direction or another across all FRCs in a basin. As a result, when it comes to estimating aggregate oil supply or CO2 demand for all FRCs combined, it is reasonable to expect that errors will tend to cancel out.
To investigate how sensitive our estimates are to variations in key geological and engineering parameters, we performed a Monte Carlo analysis, the results of which are presented in the top panel of Table 2 . Each of the parameters listed in the first column was randomized by selecting, independently for each FRC, 200 values from a symmetric beta distribution with mean fi¡ equal to our central estimate of the parameter for the ¡-th FRC, support (0,2/^,), and 95% confidence interval (0.5//,,1.5//,). The second and third columns show the resulting 95% confidence intervals for incremental oil supply. The intervals are expressed as percentage deviations from our ÖZs7 estimate shown in Figure 2 , after averaging these deviations over the oil-price range shown (but dropping values at which supply is zero). The fourth and fifth columns show the analogous 95% confidence intervals for CO2 demand. The first row of the Table therefore shows, for example, that if the uncertainty about injectivity rates is represented by the above-described beta distributions, then incremental oil supply lies between 7.4% below and 9.1% above the Q'lsj estimate shown in Figure 2 for 95% of the simulation trials. Error independence across FRCs is of course not a reasonable assumption for the cost parameters discussed in Section 2; deviations from our central estimates for these parameters will clearly affect all FRCs in the same way. The second panel of Table 2 therefore shows, for each of the cost categories listed in the first column, the average effects on incremental oil supply and CO2 demand of simply reducing or increasing the relevant per-unit costs by 50%. The first row of the panel shows, for example, that if the royalty rate as well as severance and property tax rates were to be simultaneously reduced (increased) by 50%, the resulting incremental oil supply would on average increase by 23.5% (drop by 21.1%) relative to the Ql^-,-estimate shown in Figure 2 . Clearly, the relative magnitudes of the induced changes are reflective of the different cost categories' share of overall EOR costs. Next to taxes, the up-front investment costs associated with drilling new wells are the most important cost category, followed by the upfront costs associated with convening and equipping wells for EOR use.
The third panel of Table 2 shows the effects of varying four other key parameters by 50% in either direction. Doing so for our reference CO2 price of $3/Mcf has an effect on oil supply comparable in magnitude to that of varying taxes or drilling costs. Dropping our reference oil price from $100/bo to $50/bo shifts in the CO2 demand curve by 74.9% on average, whereas increasing the reference price to $150/bo increases demand by 62.4% on average.
A further parameter of particular interest is the discount rate applied by oil-field operators in calculating a proposed project's NPV, i.e., their intemal rate of retum (IRR). According to industry contacts, a common IRR applied to profits net of royalties, severance taxes, and property taxes but gross of income taxes is 20%; this is the rate used in the simulations underlying Figures 2 and 3 . Note that the rate is considerably above conventional riskless rates of retum, reflecting the high level of project failures in the oil industry. The next-to-last row of Table  2 reports the average effects of reducing the IRR for all FRCs to 10%, or raising it to 30%.
A final parameter considered in our sensitivity analysis is the maximum pattern size applied to EOR floods. Because many oil fields in the PRB are approaching the economic limit of their secondary recovery phase, it is not uncommon for operators to either temporarily or permanently shut down wells of underperforming pattems. Were these operators to switch to EOR, however, they may well bring temporarily abandoned wells back into operation, or even drill new wells to achieve a desired well configuration. Our baseline simulations assume that operators will do so up to the point where the average EOR pattern size is at most 80 acres." Reducing this maximum pattern size has two opposing effects on EOR profitability. On the one hand, it reduces profitability, by increasing the number of new wells that must be drilled and thereby the up-front capital cost of switching to EOR. On the other hand, reducing the pattern size also increases the rate at which CO2 cycles through a reservoir, thereby speeding up incremental oil recovery and increasing profitability.^" We find, however, that the former effect dominates over the price ranges for oil and CO2 considered: reducing the maximum pattern size to 40 acres shifts in the oil supply curve by 34.3% on average, while increasing the pattern size to 120 acres shifts out supply by 35.5% on average.
CONCLUDING DISCUSSION
In this paper, we have shown how, given sufficiently detailed data on the geology and extraction history of FRCs, along with the documented experiences of mature or completed EOR projects, it is possible to forecast which FRCs in an oil-producing region can profitably implement EOR at given prices for oil and CO,. Aggregating these forecasts generates region-wide incremental oil production and CO2 demand schedules.
The availability of such forecasts has clear benefits to EOR development. Knowing the location of other candidate EOR projects facilitates cost sharing and coordination of CO2 and oil shipments by projects in proximity to each other. Knowing the derived demand for pure CO2 allows emitters to consider locating closer to points that will demand CO2 as a commodity. It may also help pipeline authorities to more efficiently design delivery systems connecting emitters to EOR projects.
The "analog" method used to generate the forecasts essentially extrapolates experience at an existing, mature EOR project-the analog-to new, candidate projects. Not surprisingly, we find that the forecasts are quite sensitive to the specific choice of analog. Ideally, this choice should be driven by the geological properties of each candidate project, which should match those of the analog as closely as possible. Currently, however, only a small number of analogs for both incremental oil production and CO2 circulation are available. This problem should diminish over time, as EOR becomes more widely applied.
19. For the common five-spot pattern (see footnote 9) this corresponds to an average well spacing of 40 acres.
20. In terms of Figure 4 , halving the pattern size halves the time by which, for example, 1 HCPV worth of CO2 and water can be injected into the reservoir, thereby halving the time by with 0.059 HCPV worth of incremental oil is recovered.
An important set of questions we leave for future work is how potential subsidies for CO2 sequestration might affect market conditions for EOR, and how the analog method might be adapted to forecast these effects. As noted for example by Jessen et al. (2005) , EOR operators may turn to co-optimization of oil recovery and CO2 sequestration, by adjusting the CO2 content of their injection stream. They may also choose to continue CO2 injection even after incremental oil has been extracted. Although such changes would not invalidate the analog method used in this paper, they would imply a need for adjustments. Specifically, given that existing EOR projects have been operated if anything with the aim of minimizing CO2 sequestration, dimensionless curves based on such projects' experience are likely to become less accurate as predictors of future projects' performance. Instead, new dimensionless curves will have to be developed, possibly based on reservoir simulations.
APPENDIX
In this appendix, we illustrate the analog method using a medium-sized field in our study area. Raven Creek-Minnelusa (RCM), as a worked example.^' Table 3 lists the data required for applying the analog method, although strictly speaking the list contains some redundancies. Reservoir HCPV, for example, can be estimated either as OOIP-ß", or as A/i</)5", •43,560(ftVacre)/5.615(ftVrb). Similarly, injectivity can be estimated either from past water injection rates or from reservoir thickness h and permeability k.
Step 1: Estimate per-pattern HCPV. Mack and Duvall (1984) provide a direct estimate of RCM's OOIP, so we estimate HCPV for the reservoir as a whole as OOIP-ß",= 81,169,000 rb. (The alternative formula Ah<i)S,,¡ • 43,560/5.615 would yield a somewhat higher estimate of 85,052,000 rb.) Assuming that 80% of the total reservoir area will be covered with 80-acre patterns (our baseline maximum pattern size) the CO2 flood will have n = ceil(0.8 • 2,975/80) = 30 patterns. Letting H denote per-pattern HCPV, we therefore have H = 2,706,000 rb.
Step 2: Estimate water and CO2 injection rates. We assume that, averaged over the water and CO2 injection cycles, per-well injectivity for the EOR project is equal to that for the waterflood, so q'-"" = q'^^' =36,^33 bl/ptn-mnth. Assuming equal-sized alternating slugs of water and CO2 will be injected (i.e., a 21. Readers interested in further detail are referred to a presentation available from the University of Wyoming's Enhanced Oil Recovery Institute (EORI), at http://eori.gg.uwyo.edu/downloads/ CO2_Conf_2009/Presentation%20PDF/ProfitableCO2ProWyo092909.pdf. The results shown in that presentation are based on less recent production/injection data and cost figures, however. Step 3: Estimate time paths of incremental oil and CO2 production using the dimensionless curves. Dividing q'-"" by H gives a total injectivity of 0.01361 HCPV/ptn-mnth. Cumulating this for any given number of months after starting the CO2 flood yields a point on the horizontal axis of the dimensionless curve for incremental oil production (see Figure 4) . Reading off the corresponding point on the vertical axis yields cumulative incremental oil production by that same number of months in HCPV/ptn, or, after multiplying by H/B"^, in stb/ptn. Differencing the cumulative values yields the corresponding time path of incremental oil production rates, q"''-'"'', in stb/ptn-mnth. Lastly, multiplying by the number of pattems n yields the predicted time path of incremental oil production for the field as a whole, ö"''"", in stb/mnth. Applying the same steps to the dimensionless curve for CO2 production (but multiplying cumulative production in HCPV/ptn on the vertical axis by HIB^QJ ) yields the predicted time path of CO2 production, 0", in Mcf/mnth.
